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Glossary of abbreviations
The following abbreviations are used in this document:

1



ADMD, for after diversity maximum demand. Customers1 within each connection
category use electricity at different times – a high load from one customer is often
offset by others with low load – and we assess the maximum of this “diversified”
loading. For distribution assessments we consider the ADMD at times when the local
network supplying the load is peaking, for transmission assessments we consider the
ADMD of each category at times when the overall network is peaking.



ΣAMD, for sum of anytime maximum demands. This is the sum of the individual peaks
(occurring at different times) of the connections in a category.



CPP, for customised price‐quality path. An alternative to the default form of price
regulation administered by the Commerce Commission. Applied to Orion from April
2014 to March 2019.



DPP, for default price‐quality path. This is the form of price regulation that applied to
Orion up to 31 March 2014 and applies from 1 April 2019.



IRIS, for Incremental Rolling Incentive Scheme.



LRAIC, for long run average incremental cost. See the definition and discussion in
section 7 and the derivation in Appendix E.



ODRC, for optimised depreciated replacement cost. This is a measure of the
depreciated value of assets, based on replicating the network, using modern
equivalent assets and an efficient design.



ODV, for optimised deprival value. This is the total value of assets that allows the
network to operate in an efficient, long term commercially sustainable way.



RIV, for regulatory investment value. This represents the indexed depreciated
regulatory value of assets (the regulatory asset base, or RAB) with deferred tax
adjustments.



TPM, for transmission pricing methodology. This is the methodology that Transpower
follows in setting the prices and charges applicable to its customers.



VOLL, for value of lost load. This is the amount that we assess customers in each
connection category are willing to pay (on average) to avoid a power cut.



WACC, for weighted average cost of capital. As determined by the Commerce
Commission for setting allowable revenue and against which Orion’s actual returns are
compared and assessed.

In this document we generally use the term “customer” to refer to end consumers. Some references to external
documents use the term “consumer”, for example the references to the distribution pricing principles. We
consider the terms to be interchangeable.
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Introduction

Orion New Zealand Limited (Orion) owns and operates the electricity distribution
network in central Canterbury between the Waimakariri and Rakaia rivers,
and from the Canterbury coast to Arthur’s Pass. Our network covers
8,000 square kilometres of diverse geography, including Christchurch
city, Banks Peninsula, farming communities and high country
regions. We receive electricity from Transpower’s national grid
at 7 different locations2 and we distribute this electricity to
more than 215,000 homes and businesses.
Our service covers the delivery of electricity only ‐ we do
New Zealand’s South Island
not buy and sell electricity, we simply deliver it to the customers
of electricity retailers that operate in our area. We charge electricity retailers on a wholesale
basis for this delivery service. Electricity retailers, in turn, include this cost in their retail
electricity prices ‐ our delivery charges amount to 34% of an average household’s electricity
bill.
Our network is entirely within the boundaries of the two local councils that own Orion,
Christchurch City Council (which owns 89.3%) and Selwyn District Council (which owns 10.7%).
Our network is a natural monopoly: it’s economically sensible to support one electricity
network in the region and avoid the cost of duplicating the service, including in areas where
physical space is a constraint. As a result, we are not exposed to the competitive pressures
that drive improved efficiencies and service levels in other markets. As a surrogate for these
competitive pressures, the government has developed regulations for electricity network
owners under Part 4 of the Commerce Act 1986 (the Act). The Act is administered by the
Commerce Commission (the Commission).
The Act requires Orion to:


limit delivery price increases, while maintaining quality of supply; and



disclose certain information about our business, including this pricing methodology
statement.

The purpose of information disclosure is to promote efficient operation of electricity
distribution businesses by requiring electricity distributors to make publicly available reliable
and timely information about the operation and behaviour of their businesses. This helps to
inform a wide range of people about such factors as profits, costs, asset values, price, quality,
security and reliability. It therefore supports assessment of whether the purpose of the Act is
being met.

2

A small (but growing) amount of energy also enters the network from connections that have generation
capability, such as solar panels.
Methodology for deriving our delivery prices (from 1 April 2022)
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Pricing principles, objectives and strategy

We develop and maintain our prices to support Orion’s group purpose:
powering a cleaner and brighter future for our community
Against this purpose we have identified sustainable goals relevant to us and strategic themes
important to our purpose delivery, and within this framework we have identified that the key
initiatives that our pricing can support are:


sustainability, through the decarbonisation of our economy, and



addressing inequity, by recognising and mitigating the impact on vulnerable
customers.

Building on these two initiatives, our sustainable development goals include:


Sustainable cities and communities – the structure of our pricing influences customer
behaviour relating to use of our infrastructure and the consequent investment
needed, the adoption and sharing of renewable energy resources, the electrification of
transport and process heat, and the level of non‐renewable generation that is needed
at times of peak consumption.



Reduced inequities – we recognise the impact that our pricing and pricing changes has
on vulnerable customers (including those in energy hardship) who do not have the
resources to cope with change or adapt their behaviour. Alongside our pricing
transition, we are seeking alternative approaches that might provide targeted
assistance for vulnerable customers.

Alongside these initiatives we also have a range of practical, economic, regulatory and
equitability considerations to include. There is often a trade‐off between these various
considerations. The following sections provide a summary of the main influences.
2.1 Sustainability
The Climate Change Commission, Ministry for Environment and others have identified that
electrification of our transport fleet provides the greatest opportunity and least cost means for
our community to decarbonise. A resilient electricity supply with stable pricing will facilitate
this transition, and providing attractive off peak charging options will accelerate the transition
and improve the efficient use of our network.
Our pricing for industrial customers can also support the electrification of process heat.
Looking further forward, we aim to help customers share their local renewable energy
resources and utilise the energy stored in batteries (be they standalone or electric vehicle (EV)
batteries via vehicle‐to‐grid (V2G)) to stabilise the energy system.
Traditional volume based pricing approaches can discourage electrification of transport and
process heat, and act as a barrier to customers using our network to share their local
renewable resources. Volume‐based pricing approaches also encourages customers to make
inefficient investments in technology, including expensive forms of renewable generation and
devices that avoid sharing of energy resources (such as batteries and hot water diverters). Our
strategy includes a transition away from volume based pricing.

2
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2.2 Vulnerable customers
We recognise the vulnerable customers within our community – customers that do not have
the resources to accommodate additional costs, nor to adapt their usage to mitigate the
additional cost. We observe that more than 20% of our residential customers live in areas with
a high deprivation index. Within this group, we have higher usage customers that may live in
energy hardship (spending more than 10% of their income on electricity), but also a large
proportion (approximately 70%) with lower than average usage.
Any change in pricing structure creates winners and losers. There is “collateral damage” when
changes affect customers that are not contributing to an area of concern and/or are not in a
position to respond.
Of particular concern, we have identified that a greater proportion of our vulnerable
customers sit within the lower consumption bands. While a shift away from volume‐based
pricing will provide lower cost outcomes in the long term, it also shifts more of the cost burden
onto these customers.
The main tool to mitigate this impact is to implement a staged transition, spreading the change
over a number of years. This provides more opportunity for vulnerable customers to adapt
and for support mechanisms to adjust.
We also intend to look for ways we can provide targeted relief to customers in need, and we
are supporting the industry initiative to set up a support fund that operates alongside the
removal of the low fixed charge regulations.
2.3 Economic considerations
In terms of the structure of our pricing, we aim to ensure that our pricing is economically
efficient, which means that:


customers choosing to use our network should face the appropriate cost of that
decision and be incentivised to weigh up the value of the service and the cost of
alternatives, and consequently



investments in our network over time will be at an appropriate level and in the
interest of customers.

The key economic input to our pricing is the long run average incremental cost (LRAIC) of
investment in our network on the basis that, if customers are prepared to pay prices that
reflect LRAIC, then further investment in network capacity is economically efficient. We apply
this concept consistently in our pricing across the various groups, and in particular via the
‘peak’ components which reflect the network capacity that we provide to meet demand at
times of congestion.
Our derivation and application of LRAIC is described in more detail in section 7 and Appendix E.
2.4 Default price‐quality path
In terms of the level of prices, Orion is subject to the default price‐quality path (DPP) set by the
Commerce Commission which applies to all non‐exempt distributors (that are not on a
customised price‐quality path). The Commerce Commission “reset” the DPP to apply for a 5‐
year regulatory period starting 1 April 2020, and prices applying in the third year of this
regulatory period are the subject of this methodology.

Methodology for deriving our delivery prices (from 1 April 2022)
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Orion must set delivery prices consistent with allowable revenues determined by the
Commission under the DPP. Allowable revenues provide for a return on investment (referred
to as a weighted average cost of capital, or WACC), as well as allowances for depreciation,
administration, operating and maintenance expenditure, performance incentives and pass‐
through costs.
The detail of how our prices comply with the DPP is set out in our separate annual price setting
compliance statement3 (and is not repeated here). In this pricing methodology the limits
imposed by the DPP manifest as a simple adjustment to our return on investment so that the
resulting prices comply with the limit set in the price path.
2.5 Even‐handedness and practical considerations
Orion takes into account the need for even‐handedness and practicality in determining
customer groupings, cost allocations and the structure of our pricing. Specifically we:


apply price averaging over large groups of connections, because it is generally not
practical to single out individual connections for cost‐specific delivery pricing.
However, where it is practical we do allocate assets and associated costs only to the
connections or connection categories that use them,



recognise that all customers should share in the benefits of greater utilisation of
shared assets and other enhanced economies of scale (new customers are not gifted
existing capacity, instead the costs of significant upgrades are spread across new and
existing customers that share in their use),



recognise that customers change their demand behaviour over time and it is important
that we provide compelling and consistent pricing incentives aimed at maximising the
efficient utilisation of our assets,



seek to make our price signals effective by balancing strong price signals with easily
understood application and measurement,



treat connections with similar electrical attributes consistently,



set prices that are the same for all retailers, providing a “level playing field” to
promote retail competition.

2.6 Other regulatory considerations
The principal regulatory requirement that we seek to comply with is the price‐quality path set
for us by the Commission as described above.
We also consider other regulatory and policy requirements, and in particular:

3



the information disclosure requirements (as they relate to pricing) promulgated by the
Commission in October 2012 (a cross‐referencing of this methodology to the
information disclosure requirements is included in Appendix B),



the distribution pricing principles and associated practice note published by the
Electricity Authority (the “Authority”). Our assessment of Orion’s alignment with
these is included in Appendix B,

Orion’s annual price‐setting compliance statement for prices applying from 1 April 2022 is available at
https://www.oriongroup.co.nz/corporate/regulatory‐disclosures/price‐quality‐path‐compliance/
4
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the Authority’s views on the need for distributors to develop and publish plans for how
they intend to implement ‘efficient’ and ‘cost‐reflective’ pricing. We have set out our
current plans for possible future pricing changes in Appendix C,



the Low Fixed Charge (LFC) regulations, which will be phased out over a 5‐year period
from 1 April 2022, that require us to provide pricing options with lower fixed charges
for some residential customers, and



the regulations relating to the connection of distributed generation.

We note that both key pieces of governing legislation that relate to pricing ‐ the Commerce Act
1986 and the Electricity Industry Act 2010 ‐ are aimed at ensuring the long term interests of
consumers are met.
Our pricing strategy (see section 2.9 below) encapsulates our pricing principles and objectives
as set out in this section and should be read in conjunction with them.
2.7 Changes to the methodology
This year we have refreshed our pricing strategy to reflect our group purpose. This has
included a much stronger focus on sustainability and equity, and our methodology has been
adjusted to support these objectives.
Last year we introduced a sustainability consideration to our pricing strategy, which influenced
our assessment of the trade‐offs when we adjust different components of our pricing. We also
tied in a recognition of our capital contribution requirements for new connections to provide a
more holistic view of the total revenue over the lifecycle of connections and the locational
aspect that comes with this.
2.8 Customer consultation
The information disclosure requirements include a requirement regarding the extent to which
the views of customers in terms of price and quality have been sought and reflected in the
price‐setting process.4
For the refresh of our pricing strategy, during 2021 we engaged with and consolidated
feedback from a wide range of stakeholders. We:

4



held briefing sessions with our directors,



hosted a customer advisory panel discussion, where selected representatives of
customer cohorts engaged on the problems we are tackling and provided views on our
proposed approaches,



consulted with other network operators and engaged with industry working groups,



employed expert consultants to critique and peer review our work, and



took account of the views expressed by electricity retailers in our 2017 and 2018
consultation rounds.

Commerce Commission, Decision NZCC 22: Electricity Distribution Information Disclosure Determination 2012,
2.4.1 (4). The Determination uses the term consumer rather than customer.
Methodology for deriving our delivery prices (from 1 April 2022)
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Pricing and asset management
Pricing and asset management investment are inextricably linked and somewhat symbiotic.
Pricing informs customer behaviour that can influence utilisation and constraints on the
network that may lead to additional infrastructure investment (a key cost driver).
Infrastructure investment and operating expenditure will, over time, be reflected in changes in
real prices that customers pay, and the quality of supply they receive.
In addition to our pricing consultation, and with a particular focus on price‐quality trade‐offs,
we look to consultation and constraint information that is undertaken as part of our asset
management plan (AMP) process.
Section 6 of our asset management plan provides detailed information on the constraint and
capacity status of our network from GXP down to LV network level. For instance,


Figure 6.2.3 projected LV urban network constraints Scenario 1 (Diversified EV load at
peak (1kW/EV)) grouped by Statistics NZ SA2 definitions



Figure 6.3.8 Zone substations – Region A FY21 maximum demand as a percentage of
firm capacity



Figure 6.3.9 Zone substations – Region B (FY21 maximum demand as a percentage of
firm capacity)



Table 6.3.1 GXP substations – load forecasts (MVA)



6.3.5.2 Zone substation load forecasts

As we implement our pricing roadmap, we will consider price signals that may assist capacity
constraints and the influence of electric vehicle penetration on network constraints

6
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2.9 Pricing strategy
Our refreshed pricing strategy was formally approved by the Orion board at its meeting on 29
September 2021. The strategy is set out below.

Our strategy for electricity delivery pricing
from 1 April 2022

We set and adjust our prices to support our group strategy and purpose:
powering a cleaner and brighter future for our community.
With a strong focus on sustainability, we recognise the role our pricing plays in supporting
the decarbonisation transition within our community. Through this transition we seek to
achieve an appropriate balance between the limbs of the energy trilemma, and in particular
the trade‐off between sustainability and affordability.

Energy
security

Energy
trilemma

Energy
equity/
affordability

Enviromental
sustainability

Our overall price path is set by the Commerce Commission to reflect our long‐term
economic costs ensuring that we have appropriate incentives to invest in and maintain our
network in the long‐term interests of customers. This pricing strategy and supporting road
map set out how we structure prices within the overall cap.
We have established primary strategic objectives which guide our pricing development,
these are:


provide incentives for electrification (and decarbonisation) of
our transport fleet and process heat,



recognise customer expectations, technology choices and
changing use of the network, and in particular, transition our
pricing to enable customers to efficiently use our network to
share their developing local renewable energy resources,



balance this with consideration for the impact that our pricing
and price changes have on vulnerable customers within our
community (refer to residential customer impacts section
below), and



take account of the incentives for improved insulation, energy
efficient appliances, LED lighting, and renewable generation.

Methodology for deriving our delivery prices (from 1 April 2022)
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Pricing Strategy
Reform prices to support the decarbonisation of our economy, help our community to
develop and share local renewable energy resources, while recognising and mitigating
the impact that changes have on vulnerable members of our community.

Alongside the trade‐offs within these objectives, we also consider and recognise:


5

the economic efficiency of our pricing, providing customers with appropriate
incentives as to where and when they should utilise our service. We:
o

set prices to reflect costs associated with peak loads and congestion,

o

use capital contributions to reflect costs associated with different density
areas (particularly urban vs rural) as these charges apply at the time
customers are making decisions about where to connect.



practical considerations, and apply prices to broad groups of customers with similar
attributes,



that all consumers should share in the benefits of greater utilisation of shared assets
and economies of scale by ensuring that all customers contribute equitably when
connecting, and all customers share in our fixed residual5 costs,



that consumers generally change their demand behaviour over relatively long
periods of time, and it is important that we provide consistent pricing incentives,
signal changes in advance and seek to mitigate impacts through staged transitions,



the Government decision to phase out the low fixed charge regulations (which
removes a significant restraint on how we structure our prices),



the Electricity Authority’s initiatives in relation to its pricing principles and
associated practice note and scorecards,



changes to the transmission pricing methodology for the national grid which we
expect we will need to reflect in our pricing from April 2023,



that retailers will re‐bundle our pricing if they consider it too complex for customers.

Fixed or dependent on the peak demand of individual customers or groups of customers

8
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Key changes
The key areas of pricing reform that we are considering and developing in support of our
strategy are:

Move away from volume pricing
for recovery of residual costs

Simplify peak pricing
 instead use time‐of‐use volume
pricing to provide clearer signals
and rewards for residential
customers that help ease
congestion

 encourage customers to share
local renewable energy
resources across the network
 reduce a barrier to the uptake
of electric vehicles

 support overnight water heating
and electric vehicle charging

 avoid the burden of costs
shifting to vulnerable customers
over time (see below)

Change the way we recover grid charges


reflect Transpower’s revised approach



shifting the focus from peak pricing to a fixed approach



supplemented with a volume component to reflect the
lagged volume‐based adjustments

Our pricing strategy specifically recognises the impact that our prices and changes to our
prices has on vulnerable customers. Through severe financial insecurity, these customers
have a very limited ability to cope with increased costs and do not have the resources or
flexibility to adjust their consumption to mitigate impacts.
Within our community we observe that our most deprived customers tend to be lower users
than the less deprived categories.
Consumption levels by deprivation index
(res idential customers in Ori on's area)
14%
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Methodology for deriving our delivery prices (from 1 April 2022)

9

The dilemma this creates is that:
Reducing volume‐based pricing
(in favour of fixed pricing) will
mean that our concentration of
low use vulnerable customers
will pay more in the short term

vs

Continuing with high volume‐based pricing will
result in vulnerable customers paying more in the
longer term, as other (less deprived) customer
segments respond with energy efficient
appliances, insulation and photovoltaic
generation, and prices are adjusted to meet
revenue requirements

Alongside this we recognise the need to provide consistent and stable price signals for
customers (and the investment decisions that our customers have made against existing
prices), and:
 that our volume‐based pricing revenue is already among the lowest in New Zealand,
 that the inefficient investment outcomes caused by volume pricing are not occurring at
the levels forecast by the Electricity Authority.
The primary mechanism to mitigate these impacts is to spread the changes over time.

A staged transition
 initial steps will be small
 volume price changes will be spread over a period of
five years or more
 offsetting price changes will be applied where
possible to mitigate impact
Impacts for customer categories
Our road map (refer to appendix C) provides more detail on our expected pricing reform. At
a high level we expect the following impacts for our pricing categories over the next 5 years:


for all categories, our regulated price path provides for a CPI linked revenue
adjustment for the next 3 years, followed by a reset which will take account of
underlying cost changes. We expect to reflect these adjustments, together with
allowable wash‐ups and incentives, in our annual price movements,



for our streetlighting, general connection and irrigation price categories (including
all residential connections), we expect to
o progressively de‐weight our volume‐based pricing used to recover residual costs
in favour of fixed and capacity‐based components.
o somewhat offsetting this reduction, we expect to reduce the peak price in favour
of time‐of‐use volume prices to provide simpler signalling around peak and off‐
peak usage.
o for recovery of transmission costs, we expect to phase out the transmission
component in the peak charge to instead recover costs through a combination of
fixed and volume‐based charges.



10

for our major customer connections, we expect to phase out the peak transmission
component which makes up about 45% of the current peak charge to instead
recover costs through a combination of fixed and volume‐based charges.
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2.10 Previous pricing strategy
The disclosure requirements require us to show changes to our pricing strategy. With the
refreshed approach our changes were significant, and we show the changes by including our
prior pricing strategy in full:
Previous pricing strategy
We aim to set our delivery prices to provide sufficient revenue to recover our prudent and
efficient costs, including our cost of capital as determined under the price control
regulations that apply to us.
We aim to reflect the long term economic costs of providing consumers with the quality of
delivery service that they require. Cost recovery is fundamental to retaining our incentives to
invest in our network in the long term interests of consumers. In structuring and setting our
prices we take a medium to long term view, and we consider economic efficiency, equity and
practicality. We seek to ensure that our pricing is economically efficient, which means that
customers who use our network face the appropriate cost of that use, and are incentivised
to weigh up the value of our delivery service and the alternatives. Cost reflective prices
should help to ensure that our investments in our network over time will be at an
appropriate level.
We recognise that customer ‘capital’ contributions are a component of the overall recovery
of our costs ‐ in simple terms the level of contributions determines how much is recovered
up front as opposed to on an ongoing basis.
In determining customer groupings, cost allocation and the structure of our pricing we:


apply price averaging over large numbers of connections, because it is generally not
practicable to single out individual connections for cost‐reflective delivery pricing.
Where it is practicable to do so we allocate assets and costs to the specific
connection categories that use them,



recognise that all consumers should share in the benefits of greater utilisation of
shared assets and economies of scale,



recognise that consumers generally change their demand behaviour over relatively
long periods of time and it is important that we provide compelling and consistent
pricing incentives aimed at maximising the efficient utilisation of our assets,



use capital contributions to reflect costs associated with different density areas
(particularly urban vs rural) as these charges apply at the time customers are making
decisions about where to connect,



seek to make our prices effective, by balancing strong price signals with simple
application and measurement,



set prices that are the same for all retailers, providing a “level playing field” to
promote retail competition.

Key considerations relating to our pricing over the next five years include:


our developing thinking on sustainability and the way we manage the trade‐offs
between the environmental and affordability aspects of the energy trilemma in New
Zealand’s transition to a low carbon economy,



preserving incentives for managed water heating load,



the impact of changing use of the network due to emerging technologies such as
distributed generation, battery storage and electric vehicles,

Methodology for deriving our delivery prices (from 1 April 2022)
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our expectation that the government will move to phase out the low fixed charge
regulations (which will remove a significant restraint on how we structure our
prices),



the Electricity Authority’s initiatives in relation to its pricing principles and associated
practice note and scorecards,



changes to the transmission pricing methodology which we expect we will need to
reflect in our pricing from April 2023.

The way we implement our pricing strategy is updated and publicly disclosed in our pricing
methodology document. We usually change our delivery prices on 1 April each year. We
review and update this pricing strategy at least annually.

12
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Overview of our methodology

3.1 Methodology
Our charges represent the delivery costs of electricity – we contract with Transpower to
deliver electricity across the national grid from generation points to our network, and we
provide the local network to distribute electricity to each connection.6
We refer to Transpower’s service as transmission, our service as distribution, and the
combined transmission and distribution service as a delivery service. We set delivery prices to
recover the costs of the combined transmission and distribution service.
In summary, our pricing approach is to:

6



establish connection categories based on connections that have similar load
characteristics, use specific sets of assets or otherwise give rise to a similar set of costs



establish total costs that drive our revenue requirement, including:
-

transmission charges and costs of investments that avoid transmission
charges,

-

regulatory incentives and adjustments,

-

regulated pass‐through cost allowances,

-

asset depreciation, asset disposal losses, return on capital invested and tax,

-

operations and maintenance costs,

-

administration costs,

-

payments to distributed generators in lieu of distribution costs,

-

payments to irrigators for power factor correction and interruptibility,

-

the extent to which costs are offset by other (non‐delivery) revenue, such as
rental income and car parking revenue, and

-

the revenue allowance imposed by the regulated default price path



allocate transmission costs to each connection category based on our assessment of
each category’s use of the transmission system



allocate regulated allowances to each connection category



allocate non‐asset based distribution costs (distributed generation and administration
costs) to each connection category



assess each connection category’s use of network assets and assign the average
depreciated value of assets to each connection category



allocate asset related costs (operations and maintenance, depreciation and return on
capital) to each connection category based on the asset value assigned to each
category, and the applicable WACC as established by the Commission’s Input
Methodologies

And, to an increasing extent, we deliver electricity produced at customer connections.
Methodology for deriving our delivery prices (from 1 April 2022)
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calculate an overall adjustment that is required to meet the requirements of the
Commission’s price‐quality path and allocate the discount to each connection category
on an equitable basis (and if necessary, using the allocation to limit any price shock
that might otherwise occur), and establish a revenue requirement for each category



estimate the long run average incremental cost (LRAIC) of investment in our network



establish pricing structures that take account of our primary strategic objectives from
our pricing strategy, including
o

cost reflective components that reflect customers’ contribution to incremental
costs

o

residual components that collect the balance of revenue structured to
minimise the extent to which prices distort customer usage behaviour,
promote decarbonisation of our economy, encourage sharing of local
renewable energy resources, and mitigate the impact on vulnerable
customers.

For the majority of our connections, we apply a ‘GXP billing’ approach where, in simple terms,
charges are based on electricity volumes measured at the few points of injection into the
Orion network (principally Transpower grid exit points). Chargeable quantities attributed to
each retailer are determined by the wholesale electricity market reconciliation process with
adjustments for embedded networks and major customer quantities. This provides a number
of administrative efficiencies which are reflected in our costs.
The use of reconciled quantities also allows us to measure retailer’s demands on the network
half‐hourly, which enables us to have cost‐reflective ‘peak’ components in our pricing, and
allows us to apply cost reflective “time‐of‐use” volume based pricing across all customers,
including where electricity meters at a customer’s premise is not recording this level of detail.
For the majority of customers, alongside the cost reflective component we recover residual
costs through a combination of volume (kWh) based charges and a fixed daily charge.
Retailers choose how they present our price signals to customers, and they do so in a variety of
ways. Retailers can also manage their costs by leveraging features of the reconciliation
process such as profiles and the use of individual customer’s half hourly data from smart
meters. Finally, retailers can use their understanding of different customer demand
characteristics when modelling our costs. Our pricing supports innovation by leaving decisions
about the relative importance of these factors, and how they might be responded to, to the
competitive market.
More detail on how we apply our prices, and in particular on how the chargeable quantities
are calculated for each connection category, can be found in our Pricing policy document,
which is available on our website.
3.2 Factors influencing price movements
This year, the high level factors influencing our price changes are as follows:
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Comment

Cost component

Impact on
price / revenue

Transmission
interconnection charges

Our share of the core grid charges varies from year to year
as electrical loadings vary. This charge includes a 0.8%
loading increase, partially offset by a 0.3% interconnection
price reduction.

Transmission new
investment agreement
charges

We pay off the capital cost of new investments that
Transpower undertake for us over a period of time, and
we have reached the end of two of these payment
schedules. The majority of these particular payment
schedules (and therefore the reduction) is assigned to a
customer in the large connection category.

Pass‐through costs

The DPP allows us to pass‐through costs associated with
local authority rates on system fixed assets and industry
levies. The increase of $1.2m is largely due to our
expectation of inflation being too low when setting prices
last year, resulting in the amount we allowed for rates in
our pricing being $0.3m below our revised estimate, and
an expected increase of $0.6m in Commerce Commission
levies.

0.5%
$1.2m

Administration, Operations
& Maintenance expenses

Each year we review and update our expense budgets to
reflect underlying cost changes and the work planned for
the year. The 10.2% increase on last year’s forecast is
attributed to inflationary pressures, increased staffing
levels and higher costs associated with pole inspections.

3.0%
$6.9m

Depreciation

The increase is in line with our asset renewal and
replacement programme.

0.9%
$2.0m

Regulatory incentives and
adjustments

Costs associated with regulatory incentives and
adjustments have reduced by $1.3m. The reduction is
down to a $2.4m revenue wash‐up associated with FY21.
Actual chargeable quantities were higher than forecast
and this accounted for almost 70% of the wash‐up.
Partially offsetting this revenue decrease was a $1m
quality incentive adjustment.

Other

Other minor cost changes (including changes in other
regulated revenue which offsets the amount we can
collect in delivery charges)

Return on capital (including
tax)

Whilst return on capital is set for the 5‐year regulatory
period under the DPP, this component absorbs the impact
for the extent to which other factors and cost allowances
vary from those set out in the DPP 5‐year reset (that is,
actual costs are higher than allowed for in the DPP, and
our return on capital must reduce to remain under the
price path).

(2.4%)
($5.5m)

Change in quantity
forecasts

When chargeable quantities increase we must set lower
prices to remain within the revenue limit set under the
default price path (and vice versa).

(4.3%)

Total price movement

0.5%
$1.1m

(0.1%)
($0.2m)

(0.6%)
($1.3m)

0.1%
$0.2m

(2.3%)

The impact that these factors have on individual price movements varies as a result of the cost
allocation process described in section 3.1 above.

Methodology for deriving our delivery prices (from 1 April 2022)

15

4

Connection categories

We have identified situations where groups of customers place significantly different demands
on delivery assets, and situations where customers use different sets of those delivery assets.
One of the aims with establishing these consumer groups is to support pricing that is subsidy
free, allowing prices to more accurately reflect contribution to costs to avoid exceeding stand‐
alone costs or over‐recovery. We have established connection categories that reflect these
differences to provide a more equitable basis of assigning costs. Our categories are:


Streetlighting connections



General connections



Irrigation connections



Major customer connections



Large capacity connections

We determine which category applies to each ICP, and this is reviewed from time to time.
This section describes each of these categories, the rationale for maintaining the category, and
the key statistics for the category. The key statistics inform the cost allocations set out in
section 6.

16
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4.1 Streetlighting connections
Orion owns and maintains a low voltage network of lines and cables dedicated to the provision
of streetlighting (including lighting of some parks and reserves). To a large extent, this
network runs alongside our regular low voltage network; it is the fifth wire on our overhead
lines and the fifth core in our underground cables. These circuits are switched on at night and
off in the mornings, using a combination of light sensors and timers and our ripple signalling
system.
To reflect the dedicated use of our lighting network, we maintain a specific category for
streetlighting connections. All private and publicly owned dedicated lighting connections
supplied from our streetlighting circuit are included within this connection category.7
Forecast

Assessed key statistics for streetlighting connections
(1 April 2022 to 31 March 2023)

Number of chargeable connections

52,206 (average)

Number of ICPs

480 (average)

Energy volume

16,440 MWh

Peak demands
- contribution to network‐wide winter peak (ADMD)

1,160 kW

- contribution to network‐wide summer peak (ADMD)

0 kW

- contribution to local network peak (ADMD)

1,160 kW

- sum of individual connection anytime peaks (ΣAMD)

3,967 kW

Value of lost load (VOLL)

$16.06 / kWh

Note that energy volumes and demands are expressed on a basis equivalent to grid exit
measurements (i.e. with normal distribution losses added).

Relative demand

There is effectively no diversity of load within this category, and it contributes to both morning
and evening load peaks during winter. The following depicts a typical winter day profile:

0:30

7

4:30

8:30

12:30
Half‐hour ending

16:30

20:30

There is a small but increasing number of streetlights that are not connected to our dedicated streetlighting
network and so are not in this category. These instead form part of our general connections category.
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4.2 General connections
This category makes use of all network assets (except lighting circuits). It includes all
residential connections and most business connections, including a number of sites with half‐
hour interval metering, but excludes connections that belong to the other connection
categories (those in the streetlighting, irrigation, major customer and large capacity
connection categories).
Forecast

Assessed key statistics for general connections
(1 April 2022 to 31 March 2023)

Number of connections / ICPs

214,162 (average)

Energy volume

2,322,669 MWh

Peak demands
- contribution to network‐wide winter peak (ADMD)

496,783 kW

- contribution to network‐wide summer peak (ADMD)

316,982 kW

- contribution to local network peak (ADMD)

496,783 kW

- sum of individual connection anytime peaks (ΣAMD)

2,132,850 kW

Value of lost load (VOLL)

$17.15 / kWh

Note that energy volumes and demands are expressed on a basis equivalent to grid exit
measurements (i.e. with normal distribution losses added).

Relative demand

The category includes a mix of customer types with different load profiles, and varying
contribution to our winter weekday load peaks. The most dominant groups within the
category are residential and small commercial, with the following typical winter weekday
profiles:

Residential
SME
0:30

4:30

8:30

12:30

16:30

Half‐hour ending
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20:30

4.3 Irrigation connections
We provide a specific irrigation connection category because electrical loads from irrigators
are very different to those of other connection categories. In particular:


they are all in lower density rural areas (using relatively long stretches of our overhead
network),



their load is highly correlated: when it’s warm and dry they all switch on,



their load and combined loading peaks are very flat (and any load management or
demand response that aims to reduce these peaks must therefore operate for
extended periods of time to be effective), and



their peak demands occur in summer whereas the overall Orion network peak
demands occur in winter.

This category generally applies to all connections with capacity greater than 20 kW where the
primary purpose is to pump water to irrigate farmland. Orion determines the connections that
are allocated to this category.
Forecast

Assessed key statistics for irrigation connections
(1 April 2022 to 31 March 2023)

Number of connections / ICPs

1,032 (average)

Energy volume

138,400 MWh

Peak demands
- contribution to network‐wide winter peak (ADMD)

0 kW

- contribution to network‐wide summer peak (ADMD)

34,994 kW

- contribution to local network peak (AMD)

56,517 kW

- sum of individual connection anytime peaks (ΣAMD)

77,854 kW

Value of lost load (VOLL)

$1.09 / kWh

Note that energy volumes and demands are expressed on a basis equivalent to grid exit
measurements (i.e. with normal distribution losses added).

Relative demand

The dominant irrigation load in the rural network area alters the shape of peak loads that drive
a significant portion of our costs – the peaks are summer based, with a long flat duration. The
category has the following typical summer daily load profile:
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4.4 Major customer connections
We provide a specific category for our larger connections. These larger connections have
enhanced metering that enables more specific and cost reflective pricing, and providing a
separate category allows us to reflect specific factors for these customers, including:


most have a dedicated transformer and generally do not use our low voltage network,



in some cases, we do not own or maintain the transformer,



some have additional dedicated equipment, lines or cabling, and



some customers have specific additional requirements in terms of their security of
supply and back‐up supply options.

We determine which connections are in this category based on maximum loading levels (and
any contracted capacity for new or modified connections). Generally:


where the loading or export level is between 150 kVA and 300 kVA the customer (or
their retailer) may elect to be classified as a major customer connection, or



where the loading or export level is above 300 kVA the connection is classified as a
major customer connection.

However, irrigation connections and streetlighting connections are not categorised as major
customer connections, and reconciled embedded networks are always classified as major
customer connections.
Forecast

Assessed key statistics for major customer connections
(1 April 2022 to 31 March 2023)

Number of connections / ICPs

523 (average)

Energy volume

858,339 MWh

Peak demands
- contribution to network‐wide winter peak (ADMD)

120,534 kW

- contribution to network‐wide summer peak (ADMD)

135,093 kW

- contribution to local network peak (ADMD)

120,534 kW

- sum of individual connection anytime peaks (ΣAMD)

229,217 kW

Value of lost load (VOLL)

$24.03 / kWh

Note that energy volumes and demands are expressed on a basis equivalent to grid exit
measurements (i.e. with normal distribution losses added).

Relative demand

With a mix of commercial and industrial, the category is winter peaking (but much less
seasonal than other categories) and has the following typical winter weekday profile:
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20:30

4.5 Large capacity connections
We provide a specific pricing category to accommodate very large connections that require
individual pricing consideration as a result of their size and impact on the local network. Such
connections may also have:


enhanced security of supply requirements, including back up supply and restoration
obligations,



very specific and dedicated assets, including transmission assets, and associated costs,
with significant stranding risk should the connection cease operation,



the ability to enter into long term contracts with us.

As a general guide, and subject to the considerations above, connections requiring a capacity
of greater than 10 MVA in the urban area, or greater than 4 MVA in the rural area would be
considered for large capacity pricing.
Pricing and charge structures are individually negotiated and charged directly to the customer.
Because of this ability to negotiate very connection‐specific pricing, we are in an even better
position to ensure consistency with the pricing principles. Our contracts with these customers
include terms that require us to allocate assets and asset related costs in a manner consistent
with the overall pricing methodology including establishing and disclosing:


assets and asset groups that are used in providing delivery services to the customer
including assets provided in order to meet specific security of supply requirements,



an equitable method for assigning a proportion of the value of assets to the customer
for assets that are also used by other customers,



the current replacement value of the asset allocation above,



capital costs (return on assets and depreciation) based on the asset allocation above,



an equitable method for assigning operations, maintenance and administration costs,
which may include separate consideration of customer specific costs, asset specific
costs, and shared costs,



an allocation of transmission costs consistent with the overall pricing methodology,
and



a pricing structure that aims to recover allocated costs.
Assessed key statistics for large capacity connections

Forecast

(1 April 2022 to 31 March 2023)

Number of connections / ICPs

15 (at 2 locations)

Number of customers
Energy volume

2
143,922 MWh

Peak demands
- contribution to network‐wide winter peak (ADMD)

6,960 kW

- contribution to network‐wide summer peak (ADMD)

24,410 kW

- contribution to local network peak (ADMD)

24,410 kW

- sum of individual connection anytime peaks (ΣAMD)
Value of lost load (VOLL)

30,628 kW
$64.36 / kWh

Note that energy volumes and demands are expressed on a basis equivalent to grid exit
measurements (i.e. with normal distribution losses added).
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Large capacity connections have specific non‐standard contractual terms including delivery
obligations and responsibilities in the event of supply interruptions. These attributes are
disclosed in our Disclosure of prescribed contracts document which is available on our website.
In general, for these customers we:


provide uninterrupted supply security against a range of faults by maintaining
duplicate supply assets,



prioritise restoration of supply following outages, and



maintain a “last to shed” priority for grid emergencies, and to the extent reasonably
practical, not include the connections for “automatic under frequency load shedding”,
nor “automatic under voltage load shedding”.

This supply security is greater than our standard undertakings which are set out in our
“security of supply standard” in our published asset management plan. The key difference is
that for a range of faults, power is off for the duration of the repair time (often up to 4 hours)
under our normal security of supply standard. The higher supply security is provided for these
customers through the provision of additional back up supply assets, and this is reflected in the
prices applied.
With only two customers in the large capacity connection category commercial sensitivity
prevents us from providing any load profile for this category.
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Total costs and revenue requirement

Establishing a breakdown of our costs allows us to consider the drivers that influence these
costs and establish a pricing basis that reflects different cost drivers.
The table below provides details of the delivery costs that we have forecast for the 2022 ‐ 2023
year, which gives us our total target revenue:
Cost component

Forecast

(1 April 2022 to 31 March 2023)

$000

Prior year
forecast
$000

Transmission
Transpower’s interconnection charges
Transpower’s connection and new investment charges
Avoided transmission costs
Transmission subtotal

58,596

57,479

4,831

5,092

310

310

63,736

62,881

Distribution
Pass‐through costs
Local authority rates

4,827

4,297

Commerce Commission levies

959

364

Electricity Authority levies

678

651

Utilities Disputes charges

123

120

Pass‐through cost subtotal

6,587

5,432

997

0

10

13

Capex wash‐up adjustment

755

733

Fire and Emergency NZ (FENZ) levy

102

114

1,000

1,063

Administration costs

23,850

21,329

Operations and maintenance costs

50,098

45,764

Depreciation

48,000

46,000

1,190

960

Return on capital (after tax)

31,919

41,159

Taxation (regulatory tax including interest tax shield)

14,495

16,139

Regulatory incentive allowances
Payments to distributed generators in lieu of distribution costs

Payments for interruptible load and power factor correction

Loss on disposals

Less revenue received from avoided transmission charges

(310)

(310)

Less sundry revenue

(4,027)

(4,002)

Revenue wash‐up

(2,368)

n/a

Cost allocation reduction to meet DPP requirement

(3,100)

(8,440)

Distribution subtotal

169,198

165,954

Delivery total (total target revenue)

232,935

228,835
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6

Allocating costs to connection categories

The cost allocation model varies for each pricing update. Each of the costs in the section
above is individually considered and allocated to connection categories on a basis that reflects
our pricing principles – in particular economic efficiency, equitability and practicality – and the
key attributes of each category. We allocate many of our distribution costs based on each
category’s use of our delivery assets, and to do this it is necessary to first allocate the assets to
each category.
6.1 Distribution asset allocation
Our distribution asset allocation method takes account of a number of factors:


assets are allocated based on our assessment of the relative use of each asset category
by each connection category,



the allocation of assets that are largely shared (e.g. sub‐transmission assets) is
weighted more in favour of each category’s contribution to local peak demands
(ADMD) on the basis that these assets are sized to meet the combined coincident
loadings,



the allocation of assets that are sized to meet the load of individual connections (for
example low voltage assets), and those assets that tend to have a fixed size regardless
of loading levels (for example land) is weighted more in favour of the sum of each
individual connection’s anytime peak (ΣAMD),



the allocation of contingent assets (the assets that are provided to maintain supply
after a fault ‐ approximately 17% of our total asset value) is additionally weighted in
proportion to each category’s value of lost load (VOLL), as this measure reflects the
relative need for the assets between the connection categories. We assess VOLL for
each connection category as shown in section 4. The range of values we use is
reasonably consistent with that from other sources8 and ranges between $1 and $65
per kilowatt hour (much higher than the normal retail cost of delivered electricity
which ranges from 12¢ to 30¢ per kilowatt hour).

We initially allocate assets based on the replacement cost and the detailed asset assessment
contained in our latest audited regulatory valuation prepared in accordance with the
Commission’s optimised deprival value (ODV) methodology, prepared as at 31 March 2004.

8

For example, the Authority in its 2013 paper “Investigation into the Value of Lost Load in New Zealand” estimated
a range of $11 per kWh to $70 per kWh for a number of customer types in the Christchurch area. See:
http://www.ea.govt.nz/dmsdocument/15385.
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The resulting allocations by asset category are:
Allocation of distribution assets (based on 31 March 2004 ODV replacement costs)
Asset category

Subtransmission

Street
lighting

General

Irrigation

Major
customer

Large
capacity*

Total

$000

$000

$000

$000

$000

$000

191,617

22,315

51,847

439

Power transformers

8,326

274,544

71

31,129

2,353

8,639

2,926

45,117

11kV Distribution

443

197,257

26,692

57,929

1,609

283,930

Land & property

132

71,177

2,424

7,869

2,151

83,752

Distribution transformers

165

85,272

4,079

8,576

66

98,158

Low voltage distribution

46

235,065

1,128

9,682

0

245,922

Lighting

14,577

0

0

0

0

14,577

Total

15,873

811,516

58,991

144,542

15,077

1,045,999

* New assets constructed for this category after the date of our ODV valuation are added in at their ODV‐equivalent
cost.

Notable entries in this table include:


major customers are allocated a relatively small share (4%) of the low voltage
distribution network assets when compared with their share of subtransmission (19%)
and 11kV distribution assets (20%). This reflects their very limited use of LV assets,



large capacity connections are allocated no LV asset costs,



all of the lighting network asset costs are allocated to the streetlighting connection
category.

We then allocate our forecast average regulatory asset value (average RIV) to each category in
proportion to the allocation of replacement costs. We use this method to allocate RIV because
it:


captures the change in asset value between our valuation date and the pricing year,



ensures that the same proportion of depreciation is applied to the assets assigned to
all connection categories, reflecting that we provide an ongoing service, rather than a
service with diminishing value (in other words a delivery service provided with older
assets is no less valuable than a service provided with new assets),



captures and assigns assets that are used for our delivery service, but are not included
in our ODV (such as working capital, our faults vehicles and head office building).

The average RIV represents the indexed regulatory depreciated investment value of assets
averaged over the year. The resulting allocation of average RIV for each connection category
is:

Average RIV allocation

Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

18,898

966,174

70,233

172,089

14,605

1,242,000

The full detail of the asset allocation calculations is not shown in this methodology as it is a
complicated process involving many interacting components. However, by way of one
example, a diagram showing how the low voltage distribution assets are allocated to the
general connection category is in Appendix D.
Methodology for deriving our delivery prices (from 1 April 2022)
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6.2 Other cost allocators
Costs that are not allocated on the basis of our asset allocation (above) are instead based on
alternative allocators (i.e. in situations where the costs are not related to asset allocations).
Summarising these allocators from section 4:
Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

kW

kW

kW

kW

kW

kW

After diversity maximum demand (ADMD)
During winter

1,160

496,783

0

120,534

6,960

625,437

0

316,982

34,994

135,093

24,410

511,479

1,160

496,783

56,517

120,534

24,410

699,404

3,967

2,132,850

77,854

229,217

30,628

2,474,516

During summer
During local network peak
Anytime maximum demand
(AMD)

6.3 Transmission cost allocation
The investment in and capacity of the transmission system bringing electricity to our region is
largely driven by the peak loadings within the greater upper South Island area. This is
currently reflected in Transpower’s interconnection charge (the main component of their
charges to us) which is based on our contribution to Transpower’s regional (in this case upper
South Island) coincident peak demand (RCPD). This is split between winter peaks and (to a
lesser extent) emerging summer peaks, and is measured over the top 100 half‐hourly
demands.
Our distribution network load is characterised by summer (rural) and winter (urban) seasonal
peaks and, to the extent that all connection categories use the transmission service, and
benefit from it, we have split the costs equally between the categories in proportion to their
transmission demands (using network wide ADMD). We then allocate the additional cost of
meeting the higher winter peak only to connection categories that contribute to the winter
peak. This is not a 50:50 split. Based on current loading levels, the higher winter loadings
mean that the winter peak attracts approximately a 45% greater share of the total
interconnection charge.
This approach provides a smooth transition in the cost allocation as the observed summer
peaks increase and approach the winter peaks. It also avoids the economic extremes of either:


viewing the transmission grid as being built entirely for the winter peak (and allowing
the lower summer peak to free‐ride), or
viewing the transmission grid as being built for the summer peak, and only charging
the winter peaking customers for the marginal additional cost of meeting the higher
peak.



Either of these approaches can be argued as economically efficient (and the Authority supports
the former), but neither provides an equitable or stable result.
We allocate a proportion of Transpower’s other charges (for connection assets and new
investment agreements) to the large capacity category based on actual use of assets, and
allocate the remainder of these charges to all other connection categories in proportion to
each category’s contribution to anytime maximum demand (ΣAMD).
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Finally, we allocate the cost of transmission alternatives that we procure (currently just
avoided transmission investments) according to ΣAMD as they are an alternative to connection
assets.
The result of the allocation is:
Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

Transpower’s
interconnection charges

64

42,360

1,639

13,003

1,529

58,596

Transpower’s connection
and new investment
charges

8

4,134

151

444

94

4,831

Avoided transmission
investment

1

271

10

29

0

310

72

46,764

1,800

13,477

1,623

63,736

Transmission cost
allocation

6.4 Pass‐through cost allocation
The main component (nearly 75%) of pass‐through costs is local authority rates, and these
reflect the value of our assets. For simplicity we have allocated all pass‐through costs in
proportion to our allocation of assets. The resulting cost allocations are:

Pass‐through cost
allocation

Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

100

5,121

372

912

81

6,587

6.5 Quality incentive cost allocation
The quality incentive relates to the reliability of our assets, and we allocate these costs to
connection categories in proportion to our allocation of assets. The resulting cost allocations
are:

Quality incentive cost
allocation

Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

15

785

57

140

0

997

6.6 Distributed generation distribution cost allocation
The distribution components of our export credits reflect the savings in distribution costs
gained from this generation contribution. The cost reduction provided by distributed
generators relates to their ability to lower our peak loading, and we allocate the cost of
providing these credits based on each connection category’s contribution to peak loadings
(ADMD), with the following result:

Distribution component
of export credits

Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

0

7

1

2
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6.7 Capex wash‐up adjustment cost allocation
The wash‐up adjustment relates to capital expenditure, and we allocate these costs to
connection categories in proportion to our allocation of assets. The resulting cost allocations
are:
Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

Capex wash‐up
adjustment cost
allocation

12

594

43

106

0

755

6.8 FENZ levy cost allocation
For simplicity we have allocated the FENZ levy in proportion to our allocation of assets. The
resulting cost allocations are:

FENZ levy cost allocation

Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

2

79

6

14

2

102

6.9 Payments for interruptible load and power factor correction
Our irrigation rebate schemes allow us to avoid investment in capacity upgrades and back up
supply assets. These schemes lower our overall cost of service to all customers in the area (not
just the irrigation category). That is, we view the schemes as a network alternative, and we
allocate the cost of this network alternative in the same way that we would allocate the cost of
the network – they are funded by all categories. The power factor correction rebate works
alongside the requirements in our network code, and encourage customers to provide a level
of correction that goes beyond the normal technical requirement in the network code, and in
this respect, we believe it provides a more useful incentive to maintain power factor correction
than alternative approaches9. This explains why we do not allocate the cost of our irrigation
rebate schemes just to irrigators. The allocation is carried out in proportion to our allocation
of assets:

Payments for rebates

Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

15

788

57

140

0

1,000

6.10 Administration cost allocation
Costs associated with administration and overheads are largely independent of asset value, so
we instead allocate these costs to each connection category in proportion to the sum of
individual connection anytime peaks (ΣAMD), as this reflects the extent to which each
connection utilises our service. The resulting allocation is:

9

Alternatives include penalties for a low power factor, or charges for reactive load.
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Administration cost
allocation

Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

38

20,558

750

2,209

294

23,850

6.11 Operations and maintenance cost allocation
Operations and maintenance costs are asset related and we allocate these to each connection
category in proportion to our allocation of assets. The resulting cost allocations are:

Operations and
maintenance cost
allocation

Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

2,831

6,938

762

38,951

616

50,098

6.12 Cost of capital allocation (depreciation, return on capital and taxation)
Capital costs are all asset related, and we allocate these costs to connection categories in
proportion to our allocation of assets. Offsetting these costs, we also provide a credit
reflecting costs covered by avoided transmission charges, and a credit reflecting costs that are
funded by sundry revenue (which is not collected via the prices in this methodology, e.g. rental
income). The resulting cost allocations are:
Street
lighting
$000

General

Irrigation

Major
customer

Large
capacity

$000

$000

Total

$000

$000

732

37,439

2,722

6,668

438

48,000

18

937

68

167

0

1,190

Return on capital (after
tax)

482

24,623

1,790

4,386

639

31,919

Taxation

221

11,306

822

2,014

133

14,495

Costs funded by avoided
transmission

(1)

(271)

(10)

(29)

0

(310)

Costs funded by sundry
revenue

(7)

(3,514)

(128)

(378)

0

(4,027)

Depreciation
Loss on disposals

Total cost of capital
allocation

1,446

70,520

5,263

12,828
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$000

1,210

91,267
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6.13 Revenue wash‐up cost allocation
The revenue wash‐up represents to the difference between actual allowable revenue and
actual revenue in the assessment period two years prior. As it relates to total revenue we have
allocated the wash‐up amount to connection categories in proportion to forecast allowable
revenue for the current assessment period. Large capacity connections do not attract any of
the wash‐up as their delivery charges for the relevant assessment period have already been
washed‐up in accordance with their delivery services agreement. The resulting cost allocations
are:

Revenue wash‐up cost
allocation

Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

(25)

(1,859)

(113)

(371)

0

(2,368)

6.14 Target revenue adjustments and total cost allocation
The final step in establishing the total cost allocation for each connection category is to adjust
(currently by way of a reduction) the allocation to meet the requirements of the default price‐
quality path.
When applying this reduction, we consider the impact of any changes in our cost allocation
compared to previous years. From year to year, each category’s contribution to our costs
varies, as loadings and other factors change, and to provide some price stability we vary the
discount to spread any significant changes in cost allocations over two to three years.
While the adjustments for transmission costs are shown separately, it is the combined
transmission and distribution adjustments that represent the discount to our return on capital
applied to each category.
Adding together each of the individual cost allocations (sections 6.3 to 6.13 above) gives our
total target revenue for each connection category.
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Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

72

46,764

1,800

13,477

1,623

63,736

0

0

0

0

0

0

Target transmission
revenue

72

46,764

1,800

13,477

1,623

63,736

Pass‐through costs

100

5,121

372

912

81

6,587

15

785

57

140

0

997

Distributed generation cost
allocation

0

7

1

2

0

10

Capex wash‐up adjustment
cost allocation

12

594

43

106

0

755

Transmission costs
allocation
Cost discount

Regulatory incentives

FENZ levy cost allocation

2

79

6

14

2

102

Payments for rebates

15

788

57

140

0

1,000

Administration cost
allocation

38

20,558

750

2,209

294

23,850

762

38,951

2,831

6,938

616

50,098

1,446

70,520

5,263

12,828

1,210

91,267

Operations and
maintenance cost
allocation
Total cost of capital
allocation
Revenue wash‐up

(25)

(1,859)

(113)

(371)

0

(2,368)

Cost discount

(48)

(2,440)

(177)

(435)

0

(3,100)

Target distribution
revenue

2,318

133,104

9,091

22,483

2,202

169,198

Total target revenue

2,390

179,868

10,891

35,960

3,825

232,935

Proportion of total

1.0%

77.2%

4.7%

15.4%

1.6%

100.0%

Resulting return on capital

2.3%

2.7%

2.5%

2.5%

4.4%

2.7%

6.15 Comparison with prior target revenue
The following table shows a comparison with the target revenues from the prior pricing
methodology. It is immediately obvious from this table that the general connection category is
receiving an increase which is higher than the overall increase in target revenue. This increase
is the result of significant growth in peak loading for this category over the past year relative to
the other connection categories, and is reflected in the key cost allocators ΣAMD and ADMD,
described in section 6.1 and set out in section 4, which are used to assign costs to each
connection category.
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Street
lighting

General

Irrigation

Major
customer

Large
capacity

Total

$000

$000

$000

$000

$000

$000

Total target revenue
(from above)

2,390

179,868

10,891

35,960

3,825

232,935

Prior year total target
revenue

2,537

175,140

11,270

35,628

4,260

228,835

Increase (reduction)

(147)

4,728

(378)

332

(435)

4,100

Percentage increase
(reduction)

(5.8%)

2.7%

(3.4%)

0.9%

(10.2%)

1.8%

Changes in target revenue often reflect a change in size or utilisation by a connection category
and are therefore not proportional to changes in price (which are set out in the following
section).

32

Methodology for deriving delivery prices (from 1 April 2022)

7

Pricing structure and prices

We aim to structure our prices to provide cost reflective pricing signals to the users of our
service. This promotes economic efficiencies in that customers can adjust their behaviour to
reduce their delivery costs, and this change in behaviour provides a corresponding saving for
us by avoiding or deferring investment.
We also aim to set prices that reflect differences in network services provided (for example,
reflecting the costs of providing back‐up assets), to allow customers to select alternatives
where this is efficient, and to allow customers to make price/quality trade‐offs where
practicable. For our overheads and residual costs, we aim to set prices that least distort the
way customers use our network.
The following sections:


explain our determination of pricing structures for each connection category,



provide our forecast of chargeable quantities for each price component10, and



derive distribution and transmission parts of our delivery prices that provide the total
target revenues established in section 6 above.

The final derived delivery prices are summarised in the schedules in Appendix A, Delivery prices
and Export credits.
Customer funded assets
We receive capital contributions toward the construction of new assets and network
extensions. These contributions are not treated as revenue from a regulatory perspective and,
consistent with this, any assets vested to us enter our RIV at nil value, not at the cost of
building them, while cash contributions are deducted from our capital expenditure in
determining net additions to our RIV. This approach ensures that we do not make a return on
assets that have been provided by others.11
7.1 Reflecting our long run average incremental costs (LRAIC)
A key aspect in establishing our pricing structure is to ensure that our prices are cost reflective.
This supports appropriate decisions both by customers in using our network, and by Orion in
investing in our network.
A significant cost driver that influences our delivery service is the combined (coincident) peak
demand of all customers (ADMD). We design and construct much of our network with the
required capacity to meet this combined peak load. We consider that approximately 50% of
our distribution costs are directly dependent on the coincident peak loading (the remainder of
our costs are either fixed or dependent on the peak demand of individual customers or groups
of customers).

10

The rationale behind our forecasts is available in appendix B of our Annual price setting compliance statement
FY23. The document is available on our website at https://www.oriongroup.co.nz/corporate/regulatory‐
disclosures/price‐quality‐path‐compliance/

11

See our “Commercial terms for new connections and extensions” document for a description of how we assess
contributions. This document also states the contribution amounts for small and medium sized‐connections. The
document is available on our website: https://www.oriongroup.co.nz/assets/Company/Corporate‐
publications/CommercialTermsNewConnectionsExtensions.pdf
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To reflect this peak demand (ADMD) cost driver in our pricing, we have derived the long run
average incremental cost (LRAIC) of delivery during peak loading periods and have reflected
this in our pricing structure, as noted in the following sections. The LRAIC is the replacement
cost of the proportion of our distribution assets that is load dependent divided by the peak
demand. Apart from minor differences due to the unit and point of measurement, the LRAIC is
calculated on an equivalent basis for all relevant connection categories. See Appendix E for a
summary of our calculation of the LRAIC, which we update each year.
Pricing with the LRAIC provides a long term indication of the typical cost of providing a
distribution network solution to support demand. This can then be considered against
alternatives such as different fuel sources and demand response. Using a long run pricing
approach avoids the price volatility that would occur if a short run approach was taken to
reflect localised constraints (because constrained areas change as network switching or
upgrades occur to address the constraint). To a limited extent, responses to the price will
often still assist with managing localised or short term peaks.
With load growth on an interconnected network, pricing with the LRAIC also sets a theoretical
trading price where one customer can lower their contribution to peaks (and be rewarded at
the LRAIC rate) and the capacity is then used by another customer (who pays at the LRAIC
rate). This opportunity would not be available if the existing capacity was priced as a sunk cost
(which is often the case with a forward looking short run marginal cost approach).
Where appropriate, the cost reflective LRAIC price is applied as a “peak price” and we signal to
retailers and customers in real time when the price is being applied. This ensures that the
price signal is “actionable” – that is, retailers and customers12 have the opportunity to respond
and be rewarded with lower charges.
For clarity, the LRAIC does not reflect the “replacement cost” of the network, it reflects all
costs associated with providing assets that are needed to meet load at times of peak demand
(including return on investment, depreciation, administration, operations and maintenance).
7.2 Locational pricing (urban vs rural)
Lower density rural areas require a greater degree of investment for each customer which
provides a basis for applying a higher price. However:

12



we continue to supply rural areas with lower cost overhead network solutions
(whereas the vast majority of and all new urban networks are higher cost underground
cable networks),



rural customers make a greater contribution when first connecting to the network.
This up‐front funding is calculated to, on average, address the cost differential, and in
our view, provides a clearer locational signal than would otherwise be the case with
locational delivery charges,



much of the existing rural and remote network was funded via the Rural Electrical
Reticulation Council (RERC) which operated from 1946 to 1993 (rather than by our
shareholders).

Where electricity retailers provide a corresponding retail pricing plan that reflects our peak price
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We are also conscious that rural customers receive a lower level of service, with a greater
number of faults and longer restoration times.
Our pricing accounts for cost differences between urban and rural areas via differences in the
up‐front contributions that customers make. This occurs at the time that customers are
making decisions about location of plant and premises, so the differential occurs at a time
when the customer can be responsive.
As the differences have been accommodated via the initial funding, and noting the differences
in service levels, we consider that there is no basis to further discriminate with higher
locational pricing for our rural and remote network areas.
7.3 Streetlighting connections
Energy used by streetlighting connections is subject to our general connection prices applied
to GXP reconciled volumes (including peak demands). While these prices are set in relation to
the characteristics of the general connection category, we consider that they do provide
adequate reflection of costs and incentives to maximise the efficiency of lights.
Lighting circuits are generally a standard size and are not constrained. We consider that a
fixed daily charge per connection reasonably reflects the fixed costs associated with these
circuits, which is used to recover the majority of the revenue requirement. This specific
consideration of costs (and the revenue received from peak and volume prices) results in a
lower fixed daily (per connection) charge than we apply under the general connection
category.
The standard general pricing for transmission charges collects a little more than the
transmission cost allocation, and this over‐recovery is offset with a reduction to the fixed daily
charge.
Forecast chargeable
quantity

Distribution part

Transmission part

Distribution
revenue
$000

Transmission
revenue
$000

Fixed daily charge
0.1002 $/connection/day

(0.0024) $/connection/day

1,909

(46)

0.2187 $/kW/day

0.1473 $/kW/day

82

55

0.04440 $/kWh

0.01506 $/kWh

95

32

0.01627 $/kWh

0.00217 $/kWh

233

31

Total revenue

2,319

73

compared with target revenue (from section 6.14)

2,318

72

52,206 connections
Peak charge
1,027 kW
Volume charges

Weekdays (Mon to Fri, 7am to 9pm)
2,130 MWh
Nights & weekends (Sat & Sun)
14,310 MWh
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7.4 General connections
Our general connection category covers the vast majority of our connections ranging from
small to large residential, and small to medium commercial connections.
As noted above we consider that a key cost driver in providing our delivery service is the
coincident peak demand of all connections, and the cost of building our network to meet this,
which is represented by the LRAIC defined above. Our updated calculations support an LRAIC
of $63 per kW per year for general connections, which has reduced significantly from prior
years with the inclusion of the updated WACC in 2020. Transitioning toward this lower level,
our peak period demand price is set at $80 per kW per year (expressed as a daily price of
$0.2187 per kW per day). With changes in WACC and changes in peak congestion loads, the
calculated LRAIC assessment varies considerably from year to year. To provide a smooth price
path and signal trends in the underlying cost assessments, we generally move the price to the
calculated ideal price over a 2 to 3 year period whenever the movement is significant.
In addition, the winter based allocation of transmission interconnection charges is also
recovered via the peak period demand price with a price of $54 per kW per year (expressed as
a daily price of $0.1473 per kW per day).
The application of this peak price for general connections is described in our separate Pricing
policy document. In short, chargeable peak demands are measured over the winter period
May to August during the 100 or so hours when total network demand is highest. We signal
these periods (using ripple signals, text and email) to support customer response. While
estimates and wash‐ups are required to apply the price, it cannot be characterised as a
retrospective price. Customers know the price in advance, and we provide notification at the
time it applies.
The rest of the revenue requirement is not related to usage or peak loading levels, and we aim
to collect this revenue in an equitable way and minimise incentives that might distort
behaviour. It is difficult to define “equitable” but broadly we are of the view that customers
that use less of our service should pay proportionally less toward these costs.
The first part is met with the application of a 30 cents per connection per day fixed charge,
which is the maximum universal amount that can be applied under the Low Fixed Charge (LFC)
regulations. This has increased from 15 cents per connection per day following the
Government announcement in December last year to phase out LFC regulations from 1 April
this year over a 5‐year period. A fixed daily charge is effective as it does not distort behaviour
by providing inefficient usage incentives.
The balance of our revenue requirement (otherwise referred to as residual revenue), including
the balance of allocated transmission costs, is currently met with the application of traditional
volume based pricing. With the increase in the fixed daily charge we do not need to collect as
much residual distribution revenue from volume prices and have lowered the weekday day
volume price. By lowering the weekday day price and leaving the night and weekend price
unchanged we have effectively reduced the distortionary impact of volume pricing.
With the ongoing phase out of LFC, which allows for annual increases of 15 cents per day in
the distribution component of the residential low user fixed charge, we will continue to
increase the proportion of residual revenue we collect from fixed charges. This approach will
require us to restructure our fixed charges to ensure higher capacity connections (including
commercial connections) continue to pay an equitable share of residual costs.
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Low power factor charge
A low power factor charge may apply in situations where a general connection has a power
factor materially below 0.95 lagging. This charge allows Orion to encourage customers to
improve their power factor so that we avoid having to carry out additional network
reinforcement. We do not expect the charge to apply in many cases or to be a significant
revenue item.
Forecast chargeable
quantity

Distribution part

Transmission part

0.3000 $/connection/day

‐

Distribution
revenue
$000

Transmission
revenue
$000

Fixed daily charge
214,162 connections

23,451

‐

Peak charge
511,700 kW

0.2187 $/kW/day

0.1473 $/kW/day

40,847

27,511

0.04440 $/kWh

0.01506 $/kWh

48,958

16,606

0.01627 $/kWh

0.00217 $/kWh

19,850

2,647

0.1500 $/kVAr/day

0.0500 $/kVAr/day

‐

‐

Total revenue

133,105

46,765

compared with target revenue (from section 6.14)

133,104

46,764

Volume charges
Weekdays (Mon to Fri, 7am to 9pm)
1,102,648 MWh
Nights & weekends (Sat & Sun)
1,220,021 MWh
Low power factor charge
0 kVAr

7.5 Irrigation connections
As noted in section 4 above, this category reflects irrigators’ unique loadings and associated
costs.
Energy used by irrigation connections is subject to our general connection volume prices
applied to GXP reconciled volumes, and this provides a significant proportion of the revenue
requirement for the category. Irrigators do not contribute to the GXP based peak charge set
for general connections because they are not running during our peak periods that occur on
the coldest winter days. Instead, we set a much lower demand charge based on the capacity
rating of each irrigation pump motor to meet the balance of our revenue requirement for the
category.
This price structure recognises that our delivery costs are primarily driven by the relatively
constant load of pump motors (measured via their capacity rating), which show very little
diversity during the irrigation season. In other words, we generally reach a point where all
irrigators are on at the same time, and this behaviour sets the network peaks in the rural parts
of our network. It also allows us to recognise this category’s relatively small contribution to
our winter‐based transmission costs.
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Power factor correction rebate (optional)
Most irrigation connections are eligible to apply for our power factor correction rebate. This
rebate is provided to encourage more efficient use of our rural overhead network where
improved power factor can avoid the need for network reinforcement.
We consider that it is most economical to correct power factors at the source of the problem,
in this case the irrigation pump motor, and we set this rebate to ensure that customers receive
a reasonable payback on their investment in power factor correction equipment.
Interruptibility rebate (optional)
Larger irrigation connections are eligible to apply for our interruptibility rebate. Using our
interruptibility rebate arrangement, we contract with irrigators to be first to be cut off in a
capacity emergency, and this allows us to provide a higher level of service to other customers
with more critical loads.
The rebate arrangement provides a lower cost alternative method for us to meet our security
of supply standards, and we set the price at a level that is sufficient to attract the required
level of load reduction.
Forecast chargeable
quantity

Distribution part

Transmission part

Distribution
revenue
$000

Transmission
revenue
$000

Capacity charges
Chargeable pump capacity
76,319 kW

0.3761 $/kW/day

0.0547 $/kW/day

5,224

760

0.04440 $/kWh

0.01506 $/kWh

2,549

865

0.01627 $/kWh

0.00217 $/kWh

1,318

176

Volume charges
Weekdays (Mon to Fri, 7am to 9pm)
57,416 MWh
Nights & weekends (Sat & Sun)
80,984 MWh
Rebates*
Power factor correction
22,719 kVAr

(0.1590) $/kVAr/day

‐

(not included – see section 6.9)

(0.0398) $/kW/day

‐

(not included – see section 6.9)

Interruptibility
47,359 kW
Total revenue

9,091

1,800

compared with target revenue (from section 6.14)

9,091

1,800

* Rebates are not included in the total revenue because they are funded across all connection categories, as
explained in section 6.9 above.
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7.6 Major customer connections
A key cost driver in providing our delivery service is the coincident peak demand of all
connections. The cost of reinforcing our network to meet this peak demand is reflected in our
assessment of the long run average incremental cost – the LRAIC, as defined in section 7.1. For
major customer connections our updated assessment of the LRAIC (based on demands
metered at the connection rather than the GXP) is $58 per kVA per year, which has reduced
significantly from prior years with the inclusion of the updated WACC in 2020. Transitioning
toward this lower level, our peak period demand price is set at $72 per kVA per year
(expressed as a daily price of $0.1965 per kVA per day). With changes in WACC and changes in
peak congestion loads, the calculated LRAIC assessment varies considerably from year to year.
To provide a smooth price path and signal trends in the underlying cost assessments, we
generally move to the calculated ideal price over a 2 to 3 year period whenever the movement
is significant.
The winter based allocation of transmission interconnection charges is also recovered via the
control period demand price with a price of $58 per kVA per year (expressed as a daily price of
$0.1582 per kVA per day).
The application of this peak price for major customer connections is described in our separate
Pricing policy document. In short, chargeable peak demands are measured over the winter
period May to August during the 80 or so hours when total network demand is highest. We
signal these periods (using ripple signals, text and email) to support customer response.
We also provide some dedicated equipment for major customer connections and the prices
are included in the price schedule in Appendix A. We set our prices to cover all costs and
reflect the more competitive nature of this aspect of our service.
The fixed costs associated with managing this pricing category and processing half‐hour
interval metering information, as well as a contribution toward the non‐load related
operational costs of the network is reflected in our fixed charges. Finally, we recover the
balance of our distribution revenue requirement and the balance of the transmission cost
allocation through the prices that are applied to customers’ maximum demands.13

13

See our separate Pricing policy document for the details on how demands are measured.
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Forecast chargeable
quantity

Distribution part

Transmission part

Distribution
revenue

Transmission
revenue

$000

$000

Fixed daily charges
Standard connections
418 connections

10.0000 $/connection/day

‐

1,527

‐

5.0000 $/connection/day

‐

192

‐

3.2000 $/switch/day

‐

131

‐

4.5000 $/connection/day

‐

74

‐

3.7100 $/km/day

‐

10

‐

2.6000 $/km/day

‐

3

‐

0.0106 $/kVA/day

‐

1,415

‐

Additional connections
105 connections
Dedicated equipment charges
Extra switches
112 switches
11kV Metering equipment
45 connections
11kV Underground cabling
7.30 km
11kV Overhead lines
3.00 km
Transformer capacity
365,750 kVA
Control period demand charges
115,598 kVA

0.1965 $/kVA/day

0.1582 $/kVA/day

8,291

6,675

0.1017 $/kVA/day

0.0044 $/kVA/day

10,844

469

0.0701 $/kVA/day

‐

6,337

Total revenue

22,486

13,481

compared with target revenue (from section 6.14)

22,483

13,477

Capacity charges
Nominated maximum demand
292,134 kVA
Metered maximum demand
247,661 kVA
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7.7 Large capacity connections
Orion provides a specific pricing category to accommodate very large connections that require
individual pricing consideration as a result of their size and impact on the local network. We
give specific consideration to the assets involved and the loading contributions which
determine the network capacity required and any additional charges from Transpower.
Pricing and charge structures are negotiated directly with the customers. The table below
compares projected revenue against target revenue.

Distribution charges (including amortisation of prepaid charges via development
contribution)

Distribution
revenue

Transmission
revenue

$000

$000

2,202

‐

‐

1,623

Total revenue

2,202

1,623

compared with target revenue (from section 6.14)

2,202

1,623

Transmission charges
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7.8 Revenue summary
The table below summarises the total projected revenue from the distribution and
transmission parts of our pricing for each of the connection categories for 2022‐23, and shows
how this (and associated prices) have changed compared to the projection for the previous
(2021‐22) year. Changes in revenue are a product of both changes in price and changes in
chargeable quantities, and these are also set out in the table:
Street
lighting

General

Irrigation
$000

Major
customer
$000

Large
capacity

Total

$000

$000

$000

$000

2,319

133,105

9,091

22,486

2,202

169,203

73

46,765

1,800

13,481

1,623

63,741

2,391

179,869

10,891

35,967

3,826

232,944

Projected revenue 2022‐23
Distribution
Transmission
Delivery

Revenue change compared to previous year
Distribution

(96)

3,381

(338)

401

(103)

3,244

Transmission

(52)

1,345

(41)

(64)

(331)

858

(147)

4,726

(378)

336

(434)

4,102

Delivery

Weighted average price change compared to previous year
Distribution

(0.2%)

(1.4%)

(5.0%)

(2.7%)

(3.1%)

(1.8%)

Transmission

5.7%

(2.9%)

(4.3%)

(5.4%)

(11.5%)

(3.7%)

Delivery

0.1%

(1.8%)

(4.9%)

(3.7%)

(7.1%)

(2.3%)

Weighted average quantity change compared to previous year
Distribution

(4.2%)

4.1%

1.6%

4.6%

1.5%

4.0%

Transmission

(49.9%)

6.2%

2.1%

5.3%

(15.3%)

5.1%

(6.4%)

4.7%

1.7%

4.8%

(6.5%)

4.3%

Delivery

Individual unit prices are set out against previous prices in a schedule in Appendix A, showing
changes and percentage changes to each price. The factors driving these changes are set out
in section 3.2 above.
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Credits for export

Distributed generation that reliably generates during peak demand times can provide an
economical alternative to electricity delivery and we provide export credits in recognition of
this benefit to the network.
The credits do not represent the purchase of electricity, and exporting customers are able to
separately negotiate to sell exported energy, usually to their electricity retailer.
Payments to generators are a cost incurred in providing our delivery service and, as with all
other delivery costs, must be recovered from the customers that use our delivery service. The
cost allocations in section 6.6 above show the assignment of these costs to connection
categories.
We do not specifically charge customers for exporting electricity to our network, however,
customers would be expected to fund any costs associated with situations where our network
needed to be upgraded to accommodate the exported electricity. Separately, the nominated
maximum demand charge for major customers, which broadly reflects the sizing of network
delivery assets near the customer, is based on export demands where this is more than double
the load demands, so excess peak export can increase delivery charges.
We do not maintain a separate category for customers with distributed generation.
Customers in any category can install distributed generation, and our pricing approach is
applied in addition to the pricing under the category.
Standard export credit prices
Export credits are based on the amount of electricity injected into our network during peak
loading periods. The cost of delivery during peak loading is represented by our assessment of
LRAIC which we calculate as $63 per kW per year (as noted in section 7.4 above).
Some of the costs represented in this LRAIC are not alleviated via export – for example, the
required size for distribution transformers and low voltage systems is usually unchanged when
generation is installed. Further, some network areas experience peaks that are not aligned
with the timing of our signalled peak periods, and we reduce the standard credit price to
reflect this divergence as well. Combining these factors, the distribution credit price is set at
approximately a third of the full LRAIC.
We then separate the credit between real (kW) and reactive (kVAr) components of export, and
we cap the amount of reactive export that is eligible for credits, to encourage appropriate
levels of each.
Different categories are maintained to generally reflect the different metering information
available from different sites, and standard credits are capped at 750kW of generation – above
this level we individually consider the benefits to the network and apply specific pricing. We
set a lower credit price for export that includes PV and where the metering arrangement only
records total monthly export (referred to as “non‐half‐hour metering”) rather than the actual
time that energy was exported. The lower price reflects average coincidence between export
from PV generation and our network peak demands (usually occurring on cold winter days and
evenings) that we observe at connections that do have the necessary metering for this
assessment.
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Exporting generators also reduce our exposure to Transpower’s interconnection charges if
they generate during Transpower’s regional coincident peak demand periods. The Electricity
Authority has revised the rules so that we are only able to reflect this savings in the credits
applied to customers for generating connections that they approve, and at the date of this
publication, no connections have been approved by the Electricity Authority.
The export credit prices and structure of pricing is shown in the “Export credit schedule”
included in Appendix A.
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Appendix B ‐ Regulatory requirements: pricing principles and information
disclosure
This appendix outlines and comments on the aspects of this methodology that relate to the
regulatory requirements of the Electricity Authority’s (the “Authority”) pricing principles and
the Commerce Commission’s (the “Commission”) information disclosure requirements.
In 2019 the Authority published the distribution pricing principles to set clear expectations for
efficient distribution prices. The Authority considers that efficient distribution pricing is for the
long‐term benefit of consumers and that efficient distribution pricing will provide signals that
help households and businesses to consume the right amount of electricity, at the right time,
and in the right place.
Shortly after publishing the distribution pricing principles, the Authority published a “Practice
Note” to help distributors interpret and apply the distribution pricing principles, and has also
introduced a “scorecard” to evaluate distributors’ pricing plans against the Authority’s
Distribution Pricing Principles. The Authority published a refreshed Practice Note in December
2021 with an emphasis on expected timeframes for distribution pricing reform and what ‘good
looks like’.14
The information disclosure requirements require us to prepare and disclose a statement of the
level of alignment with the Authority’s pricing principles, and this is set out below.

14

https://www.ea.govt.nz/assets/dms‐assets/29/Distribution‐Pricing‐Practice‐Note‐2021‐2nd‐edition.pdf
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Electricity Authority pricing principles
The following are the published Authority principles15 and, below each, a comment on our
alignment:
“(a) Prices are to signal the economic costs of service provision, including by:
(i)

being subsidy free (equal to or greater than avoidable costs, and less than or equal to
standalone costs);

(ii) reflecting the impacts of network use on economic costs;
(iii) reflecting differences in network service provided to (or by) consumers; and
(iv) encouraging efficient network alternatives.”
In line with these principles, we price to reflect the economic costs of providing our delivery
service. We estimate the long run average incremental cost (LRAIC) of investment in our
network (see Appendix E for more detail) and we set a peak load based price which reflects
this. We consider that the peak load based incremental cost of our current network provides a
suitable surrogate for the incremental cost of meeting future load growth, in the long term.
The fact that we must apply other additional price components (over and above the
component that reflects the LRAIC) shows that our prices are greater than avoidable costs
(meeting the first “subsidy free” requirement in principle (a)(i)). Equally, prices are
demonstrably lower than stand‐alone costs on the basis that we provide a shared delivery
service sized to meet the diversified load of customers, which is much smaller than the sum of
individual load peaks. For example, we observe an average residential customer peak of 7.4
kW, but when looking at an entire residential suburb, the network peak equates to just 2.3 kW
per household. An alternative approach to the assessment of stand‐alone costs is also set out
in the paragraphs below.
The Authority’s 2019 Practice Note sets out an alternative basis for the subsidy free test. It
focuses on consumer groups (or connection categories) rather than individual consumers. It
also identifies avoidable cost as the costs that would reduce if a consumer group was not
supplied with electricity, and the standalone costs as energy alternatives that would supply
groups of consumers (such as micro‐grids).

15

As published in June 2019: https://www.ea.govt.nz/dmsdocument/25179‐decision‐paper‐more‐efficient‐
distribution‐network‐pricing‐principles‐and‐practice‐pdf
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In this context we have estimated the boundaries for each connection category as follows
Connection
category
Streetlighting

($000)
Assuming that the separate lighting network assets could
be abandoned
Repair and maintenance costs
Customer service, billing, and admin
Transmission interconnection

General
connections

Irrigation
connections

Major customer
connections

Large capacity
connections

Forecast
revenue

Avoidable cost

698
362
111
1,171

Assuming that the majority of the low voltage network
assets could be abandoned
Repair and maintenance costs
15,343
Customer service, billing, and admin
18,504
Transmission interconnection
51,024
84,870
Assuming that distribution transformers and associated LV
network assets can be abandoned
Repair and maintenance costs
249
Customer service, billing, and admin
1,345
Transmission interconnection
‐
1,594
Assuming that distribution transformers and associated LV
network assets can be abandoned
Repair and maintenance costs
874
Customer service, billing, and admin
3,296
Transmission interconnection
11,701
15,871

($000)

2,391

214
344
942
1,500

($000)
Reflecting geographic spread of load, an
individual PV/Battery basis is assumed for
each light
Estimated cost per kWh*
Annual volume (MWh)
Total cost

$0.68
16,440
11,179

Based on subdivision sized micro‐grid
estimate of shared PV and battery

179,869

Estimated cost per kWh*
Annual volume (MWh)
Total cost

$0.48
2,322,669
1,114,881

9,891

Reflecting geographic spread of load, an
individual PV/Battery basis is assumed for
each installation
Estimated cost per kWh*
$0.68
Annual volume (MWh)
138,400
Total cost
94,112

35,967

Based on industrial subdivision sized micro‐
grid estimate of shared PV and battery, with
supplimentary diesel generation
Estimated cost per kWh*
$0.48
Annual volume (MWh)
858,339
Total cost
412,003

Assuming that all dedicated assets can be abandoned
Repair and maintenance costs
Customer service, billing, and admin
Transmission interconnection

Standalone cost

Based on large scale rurally located PV with
battery storage

3,721

Estimated cost per kWh*
Annual volume (MWh)
Total cost

$0.38
143,922
54,690

* An estimate of the savings associated with avoiding purchasing energy at the wholesale rate of 12c/kWh has been deducted from this cost to
provide a basis that is comparable with the delivery cost

The estimated costs per kWh used in the stand‐alone cost assessments are broadly based on
information taken from recent economic assessments. Actual costs of these alternatives will
vary from location to location, but the magnitude of the stand‐alone cost shows that the
subsidy free test is not sensitive to inaccuracies in this metric. The forecast revenue is taken
from section 7.8.
In all cases, the revenue we receive is greater than avoidable costs and less than standalone
costs, demonstrating that our pricing meets the “subsidy free” requirement in principle (a)(i).
The LRAIC that we estimate is both a long‐run and a network‐wide value. Using a long‐run
network‐wide pricing approach avoids the price volatility that would occur if a short‐run
approach was taken to manage localised constraints and recognises the fact our network is
highly interconnected and constrained areas change as network switching or upgrades occur
to alleviate the constraint. By providing a long‐term price signal against which customers (or
retailers or third parties) can invest in demand‐side alternatives wherever they are on the
network we help ensure that the demand response will be consistent and so can be assumed
in our network design and planning. In this way we believe we align with principle (a)(ii).
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Peak pricing also ensures that customers that use more of our service contribute more to the
cost of providing that service. The LRAIC based peak pricing approach provides a useful
mechanism to share the cost of existing peak capacity driven investments, and inherently
provides a basis to trade peak load contributions – that is, a reduction by one customer can be
taken up by another, and the peak price provides a reward to the first customer funded by the
second customer, which aligns with principle (a)(iii). This trading of network capacity between
customers also inherently avoids capacity upgrades that would otherwise occur, and in this
context the LRAIC based price aligns with principle (a)(ii), reflecting the impact on economic
costs that would otherwise occur (including in areas where no capacity upgrades are planned).
Because the peak pricing reflects our assessment of LRAIC, any customer who reduces demand
at peak times (be it by generation and / or load reduction) effectively reduces their costs by
LRAIC. They are effectively electing to employ a network alternative where it is economic to
do so. Since they will presumably only do this up to the point where it is at a cost lower than
LRAIC, Orion will only build more network when customers have shown, collectively, that they
are electing to use our service on the basis that it is available at lower cost than the
alternatives (aligning with principle (a)(iv)). This is further explained in section 7.1 of the
pricing methodology above.
Within our cost allocation we weight the allocation of assets that are installed for security of
supply using the value that customers place on “lost load”. This helps us reflect the different
willingness to pay for these back‐up assets between different connection categories. We also
provide a specific rebate scheme for irrigation customers that elect to be first off following a
capacity constraint caused by damage to or failure of our network.
We allocate Transpower’s interconnection charges to each connection category based on our
assessment of each category’s use of the transmission system. Our distribution network load
is characterised by summer (rural) and winter (urban) seasonal peaks. To the level of the
lower summer peak, the transmission system is in place to meet both seasonal loads, and it
would not be reasonable to view either winter or summer loads as “free” marginal additional
loads. So, to the extent that all connection categories use the transmission service, we have
split the costs equally between summer and winter peak demands. We then allocate the
additional cost of meeting the higher winter peak only to connection categories that
contribute to the winter peak. As a result, our price structure carries a lower winter demand
price than Transpower applies to us, but provides a more equitable (in terms of cost sharing)
and stable structure.
Looking ahead, one of the primary strategic objectives we have established as part of our
revised pricing strategy is to transition our pricing to enable customers to efficiently use our
network to share their local renewable energy resources.
(b) Where prices that signal economic costs would under‐recover target revenues, the
shortfall should be made up by prices that least distort network use.
The LRAIC‐based component of our pricing does not recover allowed revenue. We set fixed
and volume prices for general connections, and maximum demand based prices for major
customers, to collect the balance of our revenue requirement.
With the phasing out of the low fixed charge regulations, we will be gradually transitioning
away from using volume‐based pricing to collect the balance of our revenue requirement and
instead recover a higher proportion from fixed charges. For this update we have simply put
through a universal 15 cents per day increase in the general connection fixed charge, however,
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next year we plan to restructure general connection fixed charges to ensure larger connections
continue to contribute an equitable amount towards our overall revenue requirement.
Our capacity charge for major customers is based on the customer’s own peak, which is less
subject to demand response than other measures.
(c) Prices should be responsive to the requirements and circumstances of end users by
allowing negotiation to:
(i)

reflect the economic value of services; and

(ii) enable price/quality trade‐offs.
Orion may recognise an alternative opportunity available to a major customer in close
proximity to a grid exit point and may reduce the chargeable demands to approximate the
lower than average cost to distribute over the shorter distance.
We also individually negotiate the pricing and charge structure directly with large capacity
customers. These connections have a significant impact on the network to which they connect
such that significant additional investment by Orion is required. Customers that elect to go
ahead with the supply will do so on the basis that the service provides economic value.
Customers in our major customer price category have the option to provide a range of their
own connection equipment (transformers, switchgear, metering interfaces). Customers that
elect to use our service will do so on the basis that they provide economic value in comparison
with the alternatives available. These factors align with principle (c)(i).
For major customer and large capacity connections, we also provide the opportunity to tailor
the quality of the service to the specific needs of the customer. Major customers can elect to
use additional connections and/or additional connection equipment which can provide
enhanced security of supply. Services for large capacity connections are provided with specific
security undertakings which are required by the customer in light of the costs associated with
the services. These options align with principle (c)(ii).
As additional examples of our alignment with principle (c)(ii):


General customers have options to select from a range of water heating options, each
providing a different level of service, and coming at a different effective cost (based on
varying contributions to our peak price, weekday volume price, and our night and
weekend volume price).



Irrigation customers can choose to allow Orion to turn off their pumps during system
emergencies, and the lower service level is reflected in credits that we pay.

More generally, all customers are free to invest in ways of achieving a higher quality service
than that provided by our network. For example:


a number of larger customers have on‐site backup generation capacity to achieve
higher reliability than that provided by our network, and



other customers invest in relatively low cost UPS devices (uninterruptible power
supplies) for their critical loads, such as computers and cash registers.

(d) Development of prices should be transparent and have regard to transaction costs,
consumer impacts, and uptake incentives.
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Orion openly discloses its pricing methodology and actively works to promote a stable and long
term pricing basis, recognising the impact on customers and the impact on investment
decisions they have made in response to our pricing. We also recognise that any material
changes to pricing structure can impose costs (including transaction costs) on stakeholders,
and in particular retailers. In relation to this:
i.

our structure for major customers has been in place for more than 25 years while our
general connection pricing structure is largely unchanged since its inception in 1999;

ii.

any significant changes are widely consulted on, and only made where we consider
they will improve economic outcomes;

iii.

material cost allocation changes are spread over a number of years to ease the impact
on customers; and

iv.

price changes are only enacted after stakeholder consultation.

In addition to this methodology document we publish a plain English network pricing guide.
Our asset management plan sets out our longer term plans for the network and this includes
indications of key cost drivers. We conduct twice‐yearly major customer seminars at which
pricing and other network related matters are discussed.
Orion applies ‘GXP billing’ for most connections where charges are based on electricity
volumes injected into the Orion network (principally at Transpower grid exit points). The
chargeable quantities for most connections therefore use the results of the wholesale market
energy reconciliation process, which is itself governed by the Electricity Industry Participation
Code. This provides administrative efficiencies and a very low transaction cost that is reflected
in our charges. Orion has relatively few connection categories (and 99% of connections are
“general” connections) and there are relatively few prices within each category.
In terms of uptake incentives, when prices reflect costs, customers are rewarded for their
elections (such as loading levels, water heating options, election to participate in rebate
schemes) at an appropriate level, and the uptake incentive is inherent in the prices.
Pricing development is primarily focussed on achieving efficient outcomes for the long‐term
benefit of customers, but where possible we reduce retailer transaction costs. In recent years
we have introduced a range of changes to simplify the application of our pricing.
In 2009 we:
 moved from kVA to kW charging for general connection peak periods, removing the need
for both Orion and retailers to carry out what can be time‐consuming and error‐prone
calculations;
 introduced an irrigation connection category which removed the need for retailers to
calculate an annual wash‐up;
 reduced the number of pricing zones within our network from two to one and simplified
the structure of our loss factors so that there were only 4 factors (previously 24);
 spread the recovery of our peak period charges over twelve months rather than six, which
smoothed retailer cash flows.
In 2010 we:
 aligned the “working week day” period for general and major customers;
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 aligned the general peak period and major control period seasons, which also allowed us to
reduce the number of months that we must estimate general peak period demands;
 moved to use standard half‐hour metering for major customers (removing the requirement
for special control period metering).
In 2013 we:
 further simplified the structure of our loss factors so that, for the vast majority of
connections, one of only two applies.
In 2016 we:
 removed the split between distribution and transmission prices to publish and apply just
the total delivery price;
 removed the public holiday distinction;
 rationalised dedicated equipment pricing from 45 items to 5 items;
 for major customers, replaced our assessed capacity approach with a combination of
nominated maximum demand and metered maximum demand.
In 2017 we:
 consistent with broader moves to standardisation, expressed all prices in dollars (had been
a combination of dollars and cents).
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Commerce Commission information disclosure requirements
This section describes in a tabular format how this methodology document addresses key
elements of the Commission’s information disclosure requirements. Some of this information
is included in the body of this methodology document above.
The relevant sections of the determination are 2.4.1 to 2.4.5.
IDD Section
2.4.1 (1)
2.4.1 (2)
2.4.1 (3)

Description of how addressed in this document
See IDD 2.4.3 below.
See sections 3.2, 5, 6.15, 7, 7.8 and Appendix A.
See sections 4.5 and 7.7 for non‐standard contracts. See section 8 for
distributed generation.
See section 2.8.

2.4.1 (4)
2.4.2

The methodology is publicly disclosed before the end of February each year
for prices that apply from 1 April each year.

2.4.3 (1)
2.4.3 (2)
2.4.3 (3)
2.4.3 (4)
2.4.3 (5) (a) & (b)
2.4.3 (6)
2.4.3 (7)
2.4.3 (8)

See sections 4 through 7.
See the first part of this Appendix B.
See section 5.
See section 5.
See section 4.
See sections 3.2 and 7.8.
See section 6.
See section 7. This shows amounts rather than proportions.

2.4.4 (1) to (3)

See sections 2.9, 2.10, 3.3 and Appendix C.

2.4.5 (1) (a) to (c)
2.4.5 (2) (a) & (b)
2.4.5 (3) (a) & (b)

See sections 4.5 and 7.7.
See section 4.5.
See sections 6.6, 8 and Appendix A.
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Appendix C ‐ Our pricing roadmap
This appendix expands on the discussion in our pricing strategy (section 2.9), the alignment
with the Authority’s pricing principles (appendix B), and sets out our plans for pricing reform.
Problem definition
We are facing rapid change in the options and services available to customers and we
recognise the need for us to adapt and support this transition. The way we structure our
prices influences our customers decisions and can support beneficial outcomes for our
community. Our pricing strategy and roadmap in the main addresses our approach to our
general connection category (residential and small business customers). Our major customer
pricing is already considered cost reflective by the Authority and is not addressed in detail
below.
Our current and emerging views on pricing reform
Over the last 18 months we have reimagined our position within the community and sought
feedback from our directors and customers to inform our view. We are also receiving
direction from the Electricity Authority on its view of the need for reform.
There are a number of factors driving the need for change to electricity delivery pricing, and
these factors are not all aligned.
Sustainability, and a move to a low carbon economy is an important factor for us. In addition
to operating our business in a sustainable way (and as the Authority has identified), our pricing
can enable an efficient transition to a low‐emissions economy. We consider that we can go
further – our pricing can facilitate decarbonisation in our community. Within the framework
of efficient and non‐distortionary pricing, our pricing can encourage electrification of our
transport fleet, electrification of industrial process heat, and the development of renewable
generation. The right pricing can encourage (rather than discourage) the use of our network
to interconnect customers to use existing renewable energy resources and to share new
renewable energy resources.
Customers, the party most affected by our charges, have a diverse range of needs. Most
notably, we observe a desire for pricing that is affordable, equitable and fair, clear and
transparent, stable and consistent, and a desire for service‐based options to meet different
needs. Any change in pricing structure creates winners and losers. There is ’collateral
damage’ when changes affect customers that are not contributing to an area of concern
and/or are not in a position to respond. For context, while price restructuring might seek to
achieve an underlying cost saving through behavioural change of 5% to 10% in the long term
(the economic benefit), for individual customers, the structural change itself can easily have a
30% impact on the charges they pay (a wealth transfer).
Of particular concern, we have identified that a greater proportion of our vulnerable
customers sit within the lower consumption bands. While a shift away from volume‐based
pricing will provide lower cost outcomes in the long term, in the short term it shifts more of
the cost burden onto low usage customers. By definition, vulnerable customers do not have
the resources to accommodate the additional cost, nor to adapt their usage to mitigate the
additional cost.
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The main tool to mitigate the impact is to implement a staged transition, spreading the change
over a number of years. This provides more opportunity for vulnerable customers to adapt
and for support mechanisms to adjust.
We also intend to look for ways we can provide targeted relief to customers in need, and we
are supporting the industry initiative to set up a support fund that operates alongside the
removal of the low fixed charge regulations.
The Electricity Authority, via its pricing principles, scorecard and refreshed practice note sees
efficient distribution pricing reform as a critical step towards New Zealand’s transition to a
low‐emissions economy. The Authority has suggested that electricity distributors should be
transitioning to locational and time‐based pricing that signals the short run marginal cost of
congestion in specific areas and at particular times of the day and year. Alongside this we
should meet the balance of our revenue requirement with prices that do not distort customer
behaviour such as fixed charges.
To achieve our strategy, we have developed a path of pricing reform. The reform, which
focuses primarily on residential and small commercial customers, balances the strategic
objectives with the other considerations. The key areas of reform that we have identified are:
Move away from volume pricing for recovery of residual costs (e.g. lower usage charges)




encourage customers to share local renewable energy resources across the network
reduce a barrier to the uptake of electric vehicles
avoid the burden of costs shifting to vulnerable customers over time (refer to above)

Change the way we recover grid charges




reflect Transpower’s revised pricing approach which is expected to be implemented from 1
April 2023
shifting the focus from peak pricing to a fixed approach
supplemented with a volume component to reflect the lagged volume‐based adjustments

Simplify peak pricing




remove the peak congestion charge component from our general connection pricing in
response to adverse feedback from retailers around its complexity
move to time‐of‐use volume pricing to provide clearer signals and rewards for residential
customers that will help avoid or delay future network congestion
support overnight water heating and electric vehicle charging

For residential and small business customers, this means:




For our fixed residual costs, and subject to low fixed charge limitations, progressively de‐
weighting our volume prices over a target period of 5 years to instead recover these costs
through various forms of fixed charges (daily and capacity‐based charges).
For costs driven by congestion, progressively converting the distribution component of our
peak charge into a volume‐based charge with higher prices at peak times and incentives
for off peak usage (for example, provide pricing options that support off‐peak and over‐
night charging of electric vehicles).
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For recovery of Transpower’s charges, shift away from peak charge recovery to fixed
charges, but convert a portion to a volume‐based charge to reflect the flat volume‐based
rebalancing that features in the new (draft) Transmission Pricing Methodology.
Develop more specific pricing options that reflect customer choices around service options
(for example, pricing that recognises local sharing of energy resources that does not use
the national grid).

Facilitating the changes above, we expect to transition away from GXP based pricing (where
charges are based on measures of energy entering our network) toward ICP based pricing
(where charges are based on metrics taken at each connection). This enhances the options for
us to provide differentiated service offerings.
The road map on the following page sets out a higher‐level plan for reform across all
connection categories, and links the changes back to the key areas of reform identified above.

58

Methodology for deriving delivery prices (from 1 April 2022)

Methodology for deriving our delivery prices (from 1 April 2022)

59

Appendix D ‐ Asset allocation example
Example calculation

Asset allocation for low voltage assets to general connections
(based on replacement cost established in last regulatory ODV valuation)
($000)
Total replacement cost
of low voltage assets

7%

$245,922

Proportion installed to
met coincident maximum
demand of all connection
categories

Proportion installed to
provide backup security
(contingent proportion)

Proportion installed to
supply normal load

$17,540

$228,381

Proportion installed
to meet individual
maximum demand

$3,508

Asset allocators applied
Relative use of assets factor
VOLL
AMD Loading
ADMD Loading
Product of allocators (N)
Product of allocators across all
connection categories (D)
Allocation proportion (N / D)

Allocated asset value

Proportion installed to
met coincident maximum
demand of all connection
categories

$14,032

1.00

1.00

$17.15/kWh

$17.15/kWh

$45,676

1.00

$182,705

1.00

2,132,850 kW

2,132,850 kW

496,783 kW

496,783 kW

8,520,450

36,581,041

496,783

2,132,850

9,397,513

38,248,531

538,711

2,209,797

90.7%

95.6%

92.2%

96.5%

$3,181

$13,421

Replacement cost of low
voltage assets allocated
to general connections
$235,065
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Proportion installed
to meet individual
maximum demand
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$42,121

$176,343

Appendix E ‐ Derivation of LRAIC
Derivation of Long Run Average Incremental Cost
Orion derives its long run average incremental cost (LRAIC) for delivery of
coincident peak load described in section 7.1 as follows:
Derivation steps
Step 1
Establish expected peak demand during the year
Upper HV network

697.8 MVA

Lower LV network

576.5 MVA

Step 2
Estimate the replacement cost of the network
Upper HV network
Lower LV network
Total replacement cost

$1,235 m
$496 m
$1,730 m

Step 3
Estimate the proportion of replacement cost that is load dependent
Upper HV network

$705 m

Lower LV network

$231 m

Total replacement cost

$936 m

Step 4
Estimate the proportion of the load dependent replacement cost that is sized
for loadings coincident with network peaks
Upper HV network

$589 m

Lower LV network

$68 m

Total replacement cost

$657 m

Step 5
Calculate load dependent replacement cost per kVA
Upper HV network

$844 /kVA

Lower LV network

$119 /kVA

Total replacement cost

$963 /kVA

Step 6
Annualise the replacement costs and add in network average operations and
maintenance
Upper HV network

$55 /kVA/year

Lower LV network

$7 /kVA/year

Total

$63 /kVA/year

See notes for each step on next page.
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Notes
Step 1
This is the combined coincident peak demand of all loads
Step 2
Estimated as an average over the applicable pricing year
Upper network includes distribution transformers and above
Step 3
Individually assessed for each class of asset. For example, the cost of various size pad
mounted distribution transformers shows that the fixed (load independent) cost is close
to $8000 (the y‐axis intercept in the graph below), and for our installed quantaties of
these assets, this load independent cost equates to 48% of the total replacement cost

2004 Replacement Cost

$50,000

Pad mounted distribution transformers

$40,000
$30,000
$20,000
$10,000
$0
0

500

1000
kVA Rating

1500

2000

Step 4
This tends to be a considered engineering assessment. For example:
Asset
Network peak load dependent proportion
Customer service fuses
Nil While load dependent, these are sized to meet each customer's own
peak load irrespective of the network peak load.
Low voltage conductors

11kV conductors

33kV and 66kV conductors

35% Based on the diversity between the sum of non‐coincident peak
demands of connections compared to that of distribution
transformers.
83% Based on the diversity between the sum of non‐coincident peak
demands of distribution transformers compared to that of zone
substations.
95% Based on the diversity between the sum of non‐coincident peak
demands of zone substations compared to that of the total network.

Step 5
Simple division of load dependent replacement cost by the peak load delivered (both shown above)
Step 6
‐ Annualisation includes a levilised regulatory return, depreciation, taxation (including an allowance for the
expected deprectaion tax shield), and asset based operation and maintenance costs.
‐ The upper HV network has an average total life of 52.3 years while the lower LV network has an average total
life of 50.3 years.
‐ Budgeted operations and maintenance equates to 3.4% pa of RC for the upper HV network and 3.1% for the
lower LV network.
‐ No allowance is made for administration cost on the basis that these are not asset or load dependent.

This annual cost is reflected in our peak pricing:
with adjustments for the basis of charging (ie loss factor and power factor adjustments),
smoothing the impact of changes (eg as a result of loading variablity) over a number of years, and
recognising the use of assets (in particular, major customers do not use the lower LV network)
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Appendix F ‐ Directors’ certification of pricing methodology
In accordance with clause 2.9.1 of section 2.9 of the Commerce Commission's information
disclosure determination for electricity distribution businesses the certification of Orion’s
pricing methodology document is included below.

We, Deborah Jane Taylor and Bruce Donald Gemmell, being directors of Orion New Zealand
Limited certify that, having made all reasonable enquiry, to the best of our knowledge:
a)

The attached information of Orion New Zealand Limited, prepared for the purposes of
clauses 2.4.1 of the Electricity Distribution Information Disclosure Determination 2012,
in all material respects complies with that determination.

b)

The prospective financial or non‐financial information included in the attached
information has been measured on a basis consistent with regulatory requirements or
recognised industry standards.

Deborah Jane Taylor

Bruce Donald Gemmell

1 March 2022
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